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ACADEMIC ABSTRACT

Benefiting from the efficiency of hydraulic fracturing and horizontal drilling, the production of
unconventional oil and gas resources, such as shale gas and tight oil, has grown quickly in 21st
century and contributed to the North America oil and gas production. Although the new
enhancing oil recovery (EOR) technologies and strong demand spike the production of
unconventional resources, there are still unknowns in recovery mechanisms and phase behavior in
tight rock reservoirs. In such environment, the phase behavior is altered by high capillary pressure
owing to the nanoscale pore throats of shale rocks and it may also influence minimum miscibility
pressure (MMP), which is an important parameter controlling gas floods for CO; injection EOR.
To investigate this influence, flash calculation is modified with considering capillary pressure and
this work implements three different methods to calculate MMP: method of characteristics
(MOC); multiple mixing cell (MMC); and slim-tube simulation. The results show that CO;
minimum miscibility pressure in nanopore size reservoirs are affected by gas-oil capillary
pressure owing to the alteration of key tie lines in displacement. The values of CO,-MMP from
three different methods match well.

Moreover, in tight rock reservoirs, the heterogeneous pore size distribution, such as the ones seen
in fractured reservoirs, may affect the recovery mechanisms and MMP. This work also
investigates the effect of pore size heterogeneity on multicomponent multiphase hydrocarbon
fluid composition distribution and its subsequent influence on mass transfer through shale
nanopores. According to the simulation results, compositional gradient forms in heterogeneous
nanopores of tight reservoirs because oil and gas phase compositions depend on the pore size.

Considering that permeability is small in tight rocks and shales, we expect that mass transfer



within heterogeneous pore size porous media to be diffusion-dominated. Our results imply that
there can be a selective matrix-fracture component mass transfer during both primary production
and gas injection secondary recovery in fractured shale rocks. Therefore, molecular diffusion
should not be neglected from mass transfer equations for simulations of gas injection EOR or

primary recovery of heterogeneous shale reservoirs with pore size distribution.
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GENERAL AUDIENCE ABSTRACT

The new technologies to recover unconventional resources in oil and gas industry, such as
fracturing and horizontal drilling, boosted the production of shale gas and tight oil in 21st century
and contributed to the North America oil and gas production. Although the new technologies and
strong demand spiked the production of tight oil resources, there are still unknowns of oil and gas
flow mechanisms in tight rock reservoirs. As we know, the oil and gas resources are stored in the
pores of reservoir formation rock. During production process, the oil and gas are pushed into
production wells by formation pressure. However, the pore radius of shale rock is extremely
small (around nanometers), which reduces the flow rate of oil and gas and raises capillary
pressure in pores. The high capillary pressure will alter the oil and gas phase behavior and it may
influence the value of minimum miscibility pressure (MMP), which is an important design
parameter for CO- injection (an important technology to raise production). To investigate this
influence, we changed classical model with considering capillary pressure and this modified
model is implemented in different methods to calculate MMP. The results show that CO,-MMP
in shale reservoirs are affected by capillary pressure and the results from different methods match
well.

Moreover, in tight rock reservoirs, the heterogeneous pore size distribution, such as fractures in
reservoirs, may affect the flow of oil and gas and MMP value. So, this work also investigates the
effect of pore size heterogeneity on oil and gas flow mechanisms. According to the simulation
results, compositional gradient forms in heterogeneous nanopores of tight reservoirs and this
gradient will cause diffusion which will dominate the other fluid flow mechanisms. Therefore, we

always need to consider molecular diffusion in the simulation model for shale reservoirs.
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Introduction

This thesis includes three main chapters, which investigates the effect of high capillary pressure
on the CO2 minimum miscibility pressure (MMP) and recovery mechanism of petroleum fluids in
tight reservoirs with heterogeneous pore size distribution. In the nanopore confined space, like the
ones in shale, the oil and gas phase behavior will be influenced by large gas-oil capillary pressure.
Therefore, all these studies are based on the theory of effect of high capillary pressure on phase
behavior of hydrocarbon fluid. In this research study, simulation model is modified with effect of
capillary pressure to model the fluid flow and phase behavior in nanopores confined space. This
model is implemented in the following two research studies in following chapters of this thesis
and can be applied to any simulation projects in tight rocks.

In Chapter.1, the nanopore confinement effect on CO»,-MMP is investigated, and it is concluded
that the value of multiple contact MMP in tight reservoir are influenced by high capillary
pressure. This research includes three different methods to calculate MMP, which are slim-tube
simulation; method of characteristics and multiple mixing cell method. Real shale reservoir fluids
(Bakken, Eagle Ford) are considered and for each fluid the MMP calculation results from
different methods agree well.

Chapter 2 presents the effect of heterogeneous pore size distribution on compositional distribution
and recovery mechanisms. Phase compositions are altered by the effect of high capillary pressure
on phase behavior, as the result, the heterogeneous pore size provides compositional gradient in
reservoir domain. One example for heterogeneous pore size is the matrix-fracture interface. For
such a case, there exist selective matrix-fracture mass transfer and molecular diffusion dominates
the mass transportation mechanisms. Due to the selective mass transfer, fluid components
redistribute between sections with different pore size and fluid properties change accordingly.
Moreover, this work further investigates the change of CO,-MMP in heterogeneous pore size

reservoir when molecular diffusion is included in the model.



Chapter 3 concludes the overall work of this thesis and presents a series of key highlights from

the previous two sections.



Chapter 1 Effect of Gas-Oil Capillary Pressure on Minimum Miscibility

Pressure for Tight Reservoirs

Authors: Kaiyi Zhang*1; Bahareh Nojabaeil; Kaveh Ahmadi2; Russell T. Johns3
1. Virginia Polytechnic Institute and State University, 2. Pometis Technology, 3. The
Pennsylvania State University

Conference paper published in the SPE Unconventional Resources Technology Conference 2018,

Houston, Texas; and under review to be published in SPE journal
1. Abstract

Shale and tight reservoir rocks have pore throats on the order of nanometers, and subsequently large
capillary pressure. When permeability is ultra-low (k < 200 nD), as in many shale reservoirs,
diffusion may dominate over advection so that gas injection may no longer be controlled by the
minimum miscibility pressure (MMP). For gas floods in tight reservoirs where k > 200 nD and
capillary pressure is still large, however, advection likely dominates over diffusive transport so that
the MMP once again becomes important. This paper focus on the latter case to demonstrate that
capillary pressure, which impacts the fluid PVT behavior, can also alter the MMP.

The results show that the calculation of the minimum miscibility pressure (MMP) for reservoirs
with nanopores are affected by gas-oil capillary pressure owing to alteration of the key tie lines in
the displacement. The MMP is calculated using three methods: method of characteristics (MOC);
multiple mixing cell; and slim-tube simulation. The MOC method relies on solving hyperbolic
equations, so the gas-oil capillary pressure is assumed constant along all tie lines (saturation
variations are not accounted for). Thus, the MOC method is not accurate away from the MMP, but
becomes accurate as the MMP is approached when one of the key tie lines first intersects a critical
point (where capillary pressure then becomes zero making saturation variations immaterial there).
Even though capillary pressure is zero for this key tie line, its phase compositions (and hence MMP)

are impacted by the alteration of all other key tie lines in composition space by the gas-oil capillary



pressure. The reason for the change in the MMP is illustrated graphically for quaternary systems,
where the MMP values from all three methods agree well. The 1D simulations (typically slim-tube
simulations) show agreement with these calculations as well, even though the simulations account
for varying capillary pressure with saturation. We also demonstrate the impact of capillary pressure
on CO,-MMP for the real reservoir fluids. The importance of MMP for gas injection in shales as
well as the effect of large gas-oil capillary pressure on the characteristics of immiscible

displacements in shales and tight rocks is discussed.

2. Introduction
Unconventional oil and gas resources, such as shale gas, tight oil, and shale oil contribute
significantly to hydrocarbon production in North America (Hakimelahi and Jafarpour, 2015).
Although strong oil and gas demand and technological progress have led to major production
increases in unconventional resources in the USA, and worldwide, in recent years, there are still
significant uncertainties in understanding the complex behavior of such reservoirs as reported by
Dong et al. (2011). Despite multiple research studies in the area, the altered phase behavior of
hydrocarbon fluids in the confined space of shales and tight rocks is not yet fully understood.
Numerous research studies have been conducted to investigate the phase behavior of reservoir
fluids in confined space of shale reservoirs. Based on the previous studies by Zarragoicoechea et
al. (2004) and Singh et al. (2009), the confined space in shale nanopores can alter the phase
behavior of petroleum mixtures either by changing the petroleum mixture constituent components
critical properties, such as critical pressures and temperatures, or such an alteration can be owing
to large gas-oil capillary pressure in confined nanopores, which is proposed in the studies by
Shapiro et al. (2000), Nojabaei et al. (2013), and Sugata and Piri (2015). Firincioglu et al. (2013)
also studied the effect of VVan der Waals forces on phase behavior and reported that the contribution

of VVan der Waals forces is small compared to capillary forces unless pores are very small (~ 1 nm)



and interfacial tension is low. Even if for fluids with very low interfacial tensions, capillary forces
are 100 times larger than other surface forces when pore sizes range from 10 nm.

The studies that alter component critical pressures and temperatures will also change the critical
point, which in turn can significantly impact the MMP. Teklu et al. (2014) pointed out that the
change in the critical point significantly alters the bubble point and dew-point curves, either
increasing or lowering them depending on the temperature and pressure. Whether or not the critical
point should change in confined rocks is still an open research question, however.

The other end point in the literature is to assume the critical point does not vary in reservoirs
with tiny pores. Nojabaei et al. (2013) showed that if a large capillary pressure between gas and
oil is used in equilibrium flash calculations, the resulting two-phase fluid properties, including
phase saturations, phase densities and viscosities, as well as dew point and bubble-point pressures
can change significantly away from the critical point, similar to the results of Teklu et al. (2014).
However, the critical point of the phase envelope does not change as interfacial tension, and hence
capillary pressure, is taken to be zero there.

Hydrocarbon and non-hydrocarbon injection, such as CO, is an effective and common way to
enhance oil recovery in conventional reservoirs. Joshi (2014) found that due to rapid production
declines and low recovery factors of shale reservoirs, enhanced oil recovery (EOR) in shale oil
reservoirs has attracted significant interest. Applying traditional phase behavior and simulation
models to EOR operations of unconventional reservoirs, however, may fail to provide accurate
results. Therefore, new algorithms are needed for reservoir simulation and phase behavior modeling
based on tiny pores in such reservoirs.

Minimum miscible pressure (MMP) is a key design parameter for gas injection projects. MMP
can be either measured through experiments, or calculated using numerical and analytical methods.
The slim tube displacement is the most common experimental approach, first proposed by Yellig
et al. (1980) and Holm et al (1982), to determine MMP. As for numerical and analytical methods,
1-D slim tube simulation, method of characteristics and multiple mixing cell are the three

5



commonly used methods in industry. Stalkup (1984) first introduced the 1-D slim tube simulation
and Johns et al (2002) implemented this method to analysis the effect of dispersion on displacement
efficiency of multicomponent oil and gas systems. Monroe et al. (1990) used the method of
characteristics (MOC) to calculate MMP of a four-component CO/hydrocarbon system, and
showed that there was a third key tie line in the displacement route. Johns et al. (1993) extended
this method from four component to multicomponent mixture and pointed out that for CO,
displacements, the key tie line controls the development of miscibility. Moreover, Johns and Orr
(1996) introduced a simple geometric construction to find Nc-3 key tie lines. Wang and Orr (1997)
later rewrote the MOC problem to make it more easy to implement for real fluids. Besides these
two traditional methods, Ahmadi and Johns (2011) introduced a novel multiple mixing cell method
to calculate MMP. Teklu et al.(2012) enhanced the reliability of this algorithm by applying
additional checking criterion. Later, Li et al. (2014) extended this method to three-phase condition.
The effect of mixing and dispersion (both numerical dispersion and diffusion) on recovery, MMP
and MME (minimum miscibility enrichment) was studied by Johns et al., 2002, Garmeh et al.,
2012, and Adepoju et al., 2014. They showed that mixing is scale dependent and at field scale can
be quite large reducing the impact of MMP on recovery.

Similar to other fluid properties, MMP in unconventional reservoirs can be affected by nano-
size confinement in shale. Zhang et al. (2016) accounted for a shift in critical properties in confined
pores and reported that MMP could be reduced significantly for pore diameters below 50 nm.
Zhang et al. (2017) simultaneously considered the pressure inequalities of vapor and liquid phases
and the shift in fluid critical properties in their flash calculations. They reported MMP under
confinement is 5.4% lower than the one with bulk fluid. Moreover, they pointed out that molecular
diffusion and capillary pressure improve the oil recovery by gas injection. Zhang et al. (2016)
showed that tie-line length is reduced by nanoscale pore confinement and therefore contributed to
a lower MMP. Wang et al. (2016) used Perturbed-Chain Statistical Associating Fluid Theory
(PCSAFT) with a parachor model to predict the CO, MMP for both bulk phase and nanopores, and

6



observed a reduction in MMP primarily caused by the shift in critical properties. Teklu et al. (2013)
conducted a similar study and stated that there is no change of MMP due to the influence of large
capillary pressure on phase equilibrium. Adel et al. (2018) performed CO; shale core flood
experiments and observed that recovery factors would still increase for pressures above the MMP,
and based on this observation, they concluded that MMP is not important in unconventional
reservoirs. It should be noted that they measured MMPs using slim tube experiments without
inclusion of nanopores confinement effect, and based on previous research, they assumed that
MMP would be decreased due to confinement effect.

The motivation of the study is to examine whether MMP estimates would change for gas
injection in tight rock compared to conventional reservoirs. A practical application of this research
is in huff-n-puff process that has shown significant incremental oil recoveries from existing
unconventional wells in shale reservoirs (Hoffman, 2018). The MMP here is defined at infinite
Peclet number so that advection dominates mass transport, as governed by Darcy’s law. There is
still debate whether the injection into shale nanopores is dominated by advection or diffusion as
there is some uncertainty on the magnitude of the Peclet number in shales. If the Peclet number is
small in shales, i.e. << 1 (diffusion dominated), then it is likely that the MMP defined here is not
appropriate (see Cronin et al., 2018). For a zero Peclet number (completely diffusion dominated)
only first contact miscibility (FCM) is important. However, for tight reservoirs, and not ultra-tight
ones, as long as permeability is larger than 200 nd, MMP is likely still important (Cronin et al.,
2018).

In this paper, we calculate MMP with and without capillary pressure included in phase
equilibrium calculation, using MOC, slim tube simulation and the multiple-mixing cell method.
Ternary and quaternary mixtures of hydrocarbons and real reservoir fluid from the Bakken and
Eagle Ford formations are considered. For the MOC and slim tube simulation, flash calculation is
modified to determine MMP with capillary pressure for ternary mixtures, as well as for Bakken
and Eagle Ford oil. We explain the reason for multi-contact MMP change due to large gas-oil

7



capillary pressure. Finally, we explore the effect of capillary pressure to further enhance the

efficiency of immiscible floods.

3. Model and Methodology

MMPs for displacement of different oils by pure CO, are calculated and compared using three
methods; slim-tube simulation, method of characteristics (MOC), and multiple mixing cells. The
effect of large gas-oil capillary pressure is incorporated in the flash calculations for all three
methods. The multiple-mixing cell approach with the PennPVT software (Ahmadi and Johns, 2011)
is used to estimate MMPs without capillary pressure and also to examine the effect of capillary

pressure on tie-line lengths for pressures below the MMP.

3.1. Assumptions
Here are the simplifying assumptions we made in our calculations.

- For MMP calculations, there is a single pore size and not a distribution of pore sizes.
Although we would have a more accurate estimate of recoveries if we included pore size
distribution (PSD) and saturation-dependent capillary pressure effects in the calculations
(Nojabaei et al., 2016), we show that the effect of PSD on the bend in the recovery curve
is minimal.

- Neither gas nor oil phase pressure is changing along the slim tube. If the interfacial tension
changes are minimal, it is reasonable to make these assumptions as long as we only use
one pore size and not a distribution of pore sizes in the MOC and mixing cell methods.

- Mass transfer is not diffusion-dominated and Darcy’s law applies. This assumption is valid
for permeabilities above 200 nd (Cronin et al., 2018). Middle Bakken satisfies this

condition.



3.2. Flash calculation with large gas-oil capillary pressure

The effect of large gas-oil capillary pressure is included in flash calculations using the approach in
Nojabaei et al. (2013, 2016). That is, the following equations are satisfied for liquid/vapor

equilibrium:

P'=P+p,, pc=270- (1.1)

fiV(T’Pviyl"'ch): fiL(T’Plxl"'XNc) (1.2)
The parameter i is the component number, which changes from 1 to N¢ (total number of

components) and ¢ is interfacial tension (IFT). pY, P and P, are respectively vapor pressure,

reference pressure and capillary pressure. fiv and fiL are the value of fugacity of component i.

The interfacial tension is calculated with the Macleod and Sugden correlation (Pederson, 2007,
Nojabaei et al., 2013). Here we assume that the bulk density is uniform in the nanopores. This
assumption is valid as the smallest pores in this study are larger than 10 nm in diameter (Jin and
Firoozabadi, 2016). Ayirala and Rao (2006) showed that measured IFTs are underestimated by the

Macleod and Sugden correlation. Thus, we increased the IFTs by a factor of three.

3.3. Slim Tube Simulation

Slim tube experiments are the most common way to measure MMP for multi-contact miscible
(MCM) systems. Oil is displaced by injection gas in a slim tube at multiple constant pressures.
The oil recovery factor is then plotted versus pressure after 1.2 pore volumes of gas is injected.
The bend in the recovery curve indicates the estimated MMP. Slim tube simulation is a
computational approach that mimics a slim-tube experiment. A simplified 1-D conservation of
mass equation, shown in eq (3), is explicitly solved for compositions while pressure is fixed along

the slim tube (Orr, 2007)

=0 (1.3)



In this equation, t;, is dimensionless time, x,, is dimensionless distance and are defined as the
following. In eq (4), x is the distance, L is the length of the medium or slim tube, Qin; is the volume

of injected COz, and PV is pore volume.
(1.4)
C; is the overall volumetric composition of component i , and F; is the flux of component i, where,
ND NP
C=>CsS, . FR=>Cf, (15)
i=1 j=1

Fractional flow for each phase, f; , for a multiphase system is obtained as follows:

¢ A; _ vy

iTN, N, (1.6)
DI IV
=1 j=1

Gas and oil relative permeabilities may have different shapes in a tight system (Zhang et al.,
2013), however, we simply use the following correlations, as relative permeability curves do not
affect the estimated MMP (where flow becomes single phase). The parameter Se is the residual oil

saturation and is taken to be zero here.

ko =01-S,-S,.)’" k, =S’ (1.7)

' rg g

Oil and gas saturations, phase viscosities and densities, and K-values are calculated using the
Peng-Robinson equation of state (Peng and Robinson, 1976). The effect of gas-oil capillary
pressure is incorporated in the flash calculations and not in the flow terms, as will be explained in

the discussion section.

3.4. Method of Characteristics (MOC)

The method of characteristics is a well-developed analytical method to estimate MMP. It is based
on finding a set of key tie lines on the displacement path. In this paper, we use MOC to estimate
MMP of quaternary mixtures with initial, injection, and crossover tie lines (Johns, 1996). MMP is
the pressure at which the length of one of the key tie lines first approaches zero (i.e. the critical tie

10



line). A graphical illustration is used to visually investigate the effect of large gas-oil capillary
pressure on the key tie line locations and MMP. Consider a mixture of component A (light), B
(intermediate) and C (heavy), with an injection gas of pure CO,. The MMP for such a system can
be found by the following steps (Johns and Orr, 1996):
1. Make an initial guess and estimate the MMP at the given temperature and compositions.
2. Extend the initial tie line in the A/B/C face to zero A concentration, where A is typically
the most volatile component. Record the concentration where the initial tie line intersects
the zero A concentration line.
3. Find the pressure at which the critical tie line in the CO/B/C face also intersects the
recorded concentration of step 2. This pressure is the updated MMP.
4. If the MMP from step 4 is significantly different from the one from step 1, repeat the steps
to convergence.
The effect of capillary pressure is incorporated in the negative flash calculation to estimate phase

compositions and the location of key tie lines.

3.5. One-dimensional fully compositional simulation

We used a 1D fully compositional simulation model to simulate CO; gas injection. The MRST
open source code (Lie, 2016) was used and modified for this simulation. The goal is to examine
the effect of variable pressures along the 1D reservoir, pore size distribution (and subsequently
saturation dependent capillary pressure), and inclusion of capillary pressure in flow, on recoveries

and the MMP.

4. Results and Observations

Consider first a quaternary mixture with large gas-oil capillary pressure. The multiple mixing cell
method is used to estimate the MMP of a ternary mixture of C;, C4, and Ci When pure CO; is
injected. The original oil consists of 45% C1, 35% C4 and 20% Cio. At this composition the original

“oil” is initially in the two-phase region at the given temperature and pressure equal to the

11



calculated multi-contact MMP without capillary pressure. Penn-PVT was used to estimate the

MMP of 1450 psia without capillary pressure at 160°F. Tables 1 and 2 give detail information

regarding the fluid properties and binary interaction parameters used.

Table 1. Compositional data for the C1/C4/C10- CO2 system

Critical Molecular
Critical Acentric
Component Pressure Weight Parachor
Temperature (R) Factor
(psia) (Ibm/Ib mol)
CO, 1069.87 547.56 0.225 44.01 78
Ci 667.2 343.08 0.008 16.043 74.8
Cs 551.1 765.36 0.193 58.124 189.6
Cuo 353.76 1070.831 0.5764 134 372.86
Table 2. Binary interaction parameters for the C1/C4/C10/CQO2 system
CO, C: Cs Cuo
CO; |0 0.01 0.13 0
Ci 0.01 0 0.119 0.008
Cs 0.13 0.119 0 0.0847
Cwo |0 0.008 0.0847 0

12
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Figure 1. (a) - C1/C4/C10 binodal curves and tie lines with and without capillary, 1(b) - CO,/C4/Cy binodal
curves and the extension of critical tie lines at MMPs with and without capillary pressure

We used the method of characteristics, as illustrated in the methodology section, to estimate
MMPs with and without capillary pressure effect. The crossover tie line is the critical tie line in
this system. For the case with confinement, we considered a fixed pore radius of 5 nm. Since we
already have an estimate for the MMP, we use that value as an initial guess to plot the binodal
curves and the tie lines on a C1/C4/Cyo ternary diagram as shown in Figure 1(a). Two observations
are made: first, the two-phase region with capillary pressure effect is smaller and the original oil is
single phase liquid for the pressure of 1450 psia. The second observation, which we expect to
influence the multi-contact MMP is that the tie lines are rotated for the case with capillary pressure.
This change in the direction of tie lines, would result in two different compositions when the oil tie
line intersects the Cs-Cyo line. These two compositions would then result in two different MMPs
with and without capillary pressure, as shown in Figure 1 (b). Note that the change in MMP due to
capillary pressure is expected only if the crossover tie line is the critical tie line. The limiting tie
line as the critical point is approached is not changed, because at the critical point capillary pressure
is zero. The MMP is altered here because the oil tie line is changing. Our results show that there is
approximately a 50 psi difference in the MMP of %35-%45-%20 C1/C4/C1o mixture with pure CO;

injection at 160°F.The change in the direction of oil tie line gets smaller as the initial oil
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composition gets closer to the original bubble-point curve. The change becomes even smaller for
MMPs greater than the original oil bubble-point pressure of the original oil as the inclusion of
capillary pressure does not result in a different composition when the oil tie line intersects the Ca-

Cio line. (See Figure 2)

C1

With Pc,
P=1500 psia

Without Pc,
P=1500 psia

cio ' - c4

Figure 2. 9%20-%40-%40 C1/C4/C10 binodal curves and tie lines with and without capillary at the MMP
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Figure 3. Intermediate component recovery as a function of pressure for cases with and without capillary
pressure for the C1/C4/C10-CO, system

MMPs with and without capillary pressure effect are also calculated using the slim tube

simulation approach. We calculated recovery of C4, which is the intermediate component for this
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case, as a function of pressure (Figure 3). The slim tube simulation results also show the same
change in MMP with capillary pressure. The other indication of this plot is that recovery factor is
much higher with capillary pressure at pressures well below the MMP. Recovery of C4 is 6% higher

with capillary pressure for the pressure of 1100 psia.

1 1 Y N
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2 05 —C1, w/o Pc ----C1,wPc e \
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0 - | -
0.1
0 I N w o
0 0.2 0.4 0.6 0.8 1 1.2 1.4 1.6

Figure 4. Composition profile as a function of dimensionless velocity with and without considering capillary
pressure for the C1/C4/C10-CO; system

To enhance our understanding of the effect of gas-oil capillary pressure on MMPs, we made a
plot of volumetric compositions along the slim tube, as a function of dimensionless velocity for the
pressure of 1300 psia as shown in Figure 4. One observation is that the CO; front advances faster
without capillary pressure effect, while the CO, concentration at the CO, front is larger with
capillary pressure. Figure 5 gives the saturation fronts and shows that there is a smaller two-phase

region for the case with capillary pressure, which may lead to a higher recovery.
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Figure 5. Saturation profile as a function of dimensionless velocity with and without capillary pressure for the
C1/C4/C10-CO; system

The results from mixing cells method support our conclusion that MMP changes, but not
significantly, when capillary pressure is accounted for in phase equilibrium calculations. For the
C1/C4/C10-CO;, case, Figure 6 shows the tie line length in mixing cells after 30 contacts at 1200,
1300, and 1400 psi (slightly below the reported MMP). The contact profiles for 1400 psia for cases
with pore radius of 10 nm, and without capillary pressure effects, indicate a shift on oil tie line and
gas tie line but no discernible change when is at the minimum. Yet, the same 30 contacts at lower
pressures (1200 and 1300 psia) show a clear difference. Tie line lengths as a function of
dimensionless velocity is plotted in Figure 7, at two different pressures (one well below MMP and
one right below MMP) for pore radius of 10 nm, and without capillary pressure, using slim tube
simulation. The results from Figure 7 confirms that the critical tie line length is not much affected
by capillary pressure when pressure is close to MMP. Figure 7 shows that capillary pressure

becomes smaller and it gets to its minimum at the MMP, using the mixing cell method.
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Figure 6. Mixing cells results for the effect of capillary pressure (pore radius of 10 nm) on tie line length at
different pressures for the C1/C4/Cy1o-CO; system
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Figure 7. Slim tube simulation results for the effect of capillary pressure (pore radius of 5nm) on tie line length
at different pressures for the C1/C4/C10-CO; system
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Figure 8. Calculated capillary pressures at different pressures for the C1/C4/C10-CO, system (pore radius of 10
nm), using mixing cells method

To extend our analyses to real reservoir fluids, we used the composition of Bakken fluid as
described by Nojabaei et al. (2013), and the pore size distribution, average pore size (modal pore
throat), and permeability of a middle Bakken rock sample from Nojabaei et al. (2016) to run a 1D
fully compositional simulation. The MMP of Bakken fluid without capillary pressure effect at
reservoir temperature of 240°F, using multiple mixing cell method of PennPVT software, is 2200
psia. We considered seven various cases as for the combinations of with and without inclusion of
capillary pressure in flow and flash, and also tried both a single pore size (13 nm, which is the
average pore size for the Middle Bakken rock sample) and pore size distribution for the
permeability of 0.01 md. For the simulation, we used 50 grid blocks, while the first and last blocks
are the injector and producer respectively. The injection pressure is 200 psi higher, and the
production pressure is 200 psi lower than the reservoir initial (or average) pressure. As the recovery
plot of Cs-Cs (an intermediate component for Bakken fluid) shows (Figure 9), inclusion of capillary
pressure in flash results in higher recoveries at pressures well below MMP. But for pressures close
to the MMP, the recovery curves for all the seven cases merge, as interfacial tension becomes small.
This results verifies our previously described assumptions, as assuming no capillary pressure in

flow, or using a single pore size, do not influence the MMP calculation.
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Figure 9. C5-C6 recovery as a function of pressure for displacing the Bakken fluid with CO,, using 1D fully
compositional simulation

Next, by applying slim tube simulation for a case with 10 nm pore radius, recovery-pressure
plot is constructed for three pseudo-components of the Bakken fluid (shown in Figure 10). The Cs-
Cs recovery curve corresponds to approximately 2200 psia for the case without capillary pressure
and this MMP result matches well with the one from multiple mixing cell. The bends in recovery
curves of Cs-Cg with and without capillary pressure effect shows that the MMP with capillary
pressure is approximately 100 psi higher than that without capillary pressure. This result is in
contradiction with our previous observation for the Ci/Cs/Cio ternary mixture. To further
investigate the reason why capillary pressure would increase MMP instead of decreasing it, we
lumped the Bakken fluid compositions, using weight based grouping (Pedersen, 2006), down to
three pseudo-components so that we can use the graphical MOC method to estimate MMPs with

and without capillary pressure.
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Figure 10. Components recovery as a function of pressure with and without capillary pressure for displacing the
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Figure 11. C1/C2-C6/C7+ binodal curves and tie lines with and without capillary, 11(b) CO,/C,-Cs/C7+ binodal
curves and the extension of critical tie lines at MMPs with and without capillary pressure

The binodal curves and tie lines with and without capillary pressure are plotted on the C1/C»-
Cs/Co+ face at 2200 psia (Bakken MMP with pure CO; injection without capillary pressure effect)
in Figure 11(a). For this mixture, however, as shown in Figure 11(b), because of the tie lines
direction in the CO,/C,-Cs/C7+ face, a higher MMP is found with capillary pressure effect. Our

results for the case of displacing Bakken fluid with CO,, are consistent with the core flood
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experimental results of Adel et al. (2018), as they also observed that further increasing pressure
above the original MMP, would still result in additional recovery, which can indicate that the MMP

under confinement effect might be larger than the bulk MMP.
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Figure 12. Composition profile as a function of dimensionless velocity with and without capillary pressure for
displacing the Bakken fluid with CO; at 1500 psia

The composition versus dimensionless velocity is plotted at 1500 psia and it indicates that the
CO; front is faster without capillary pressure. A faster CO; front can lead to a faster gas
breakthrough and as a result smaller recoveries without capillary pressures at pressures well below
MMP are expected, as also shown by Figure 10.

Next we analyzed the effect of large gas-oil capillary pressure on the MMP of Eagle Ford oil. We
used the average pore radius of 10 nm for the capillary pressure calculations, as the pore throat
diameter of Eagle Ford shale is reported to be in the range of 10-35 nm by Lewis et al. (2013). The
Eagle Ford fluid composition and flash parameters from Siripatrachai et al. (2017) are used. The
estimated MMP without capillary pressure by use of the multiple mixing cell method is 3200 psia.
This pressure is well above the bubble point pressure of Eagle Ford fluid at the reservoir
temperature of 237 °F. The slim tube simulation results show that the effect of gas-oil capillary

pressure on MMP is minimal as shown by Figure 13. However, at pressures well below MMP, the
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effect of capillary pressure is to increase recovery of the heavier components significantly. The
composition change with dimensionless velocity plot of Figure 14 indicates the reason for such an
enhancement in recovery, as the CO- front is slower and CO, composition at the front is higher for

the case with capillary pressure when pressure is 1500 psia.
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Figure 13. Components recovery as a function of pressure with and without capillary pressure for displacing the
Eagle Ford fluid with CO,
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Figure 14. Composition profile as a function of dimensionless velocity with and without capillary pressure for
displacing the Eagle Ford fluid with CO,
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A slower CO- front can imply that immiscible floods are more efficient with capillary pressure
effect. It is expected that gas will break through the production well faster for the case without
capillary pressure effect. These results indicate that large gas-oil pressure enhances the efficiency

of immiscible gas injection in shale.
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Figure 15. Capillary pressure as a function of dimensionless velocity for the case of displacing the Eagle Ford

fluid with CO»
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Figure 16. Interfacial tension as a function of dimensionless velocity for the case of displacing the Eagle Ford
fluid with CO», with and without capillary pressure effect

Capillary pressure is plotted as a function of dimensionless velocity at three different pressures

for Eagle Ford oil displaced by CO, when pore size is 10 nm (Figure 15). As this plot shows,

23



capillary pressure approaches zero at a certain time and location (Xp/tp=1) at the MMP while
capillary pressure in other locations on the slim tube is not zero. Interfacial tensions are also plotted
for the cases of with and without capillary pressure effect in Figure 16. It can be seen that interfacial
tension approaches its minimum at some point along the slim tube (zero when pressure is equal to
the MMP), and the location and magnitude of this minimum at the MMP is the same with and

without capillary pressure effect.

5. Discussion and Conclusions

Although it has been reported that the gas-oil capillary pressure in nanopores do not influence the
MMP, our results show that capillary pressure influences MMP, however the magnitude of this
change depends on the composition of the original oil, number of phases of the original oil at the
MMP, and miscibility mechanisms. We confirm that the first-contact MMP is not influenced by
capillary pressure as flow is single phase there.

We included the effect of large gas-oil capillary pressure for a constant pore throat size in the
flash calculation of slim tube simulation, method of characteristics, and multiple mixing cells.
There are certain limitations and uncertainties, such as exclusion of capillary pressure in flow or
using a single pore size instead of pore size distribution and saturation-dependent capillary pressure,
associated with these methods for calculating capillary pressure affected MMPs. However, we used
a 1D fully compositional simulation case, to show that the complexities associated with low
permeability reservoirs, do not impact the MMP calculations.

Our results suggest that the change in MMP is often negligible for practical use and often falls
with 5% of the estimated MMP. One reason for this small change is that as the pressure gets close
to MMP, two phases become similar (K-values approach unity), therefore IFT drops, and as a result,

calculated capillary pressure at the equilibrium drops to a value that does not make large impact.
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We also examined the effect of large gas-oil capillary pressures on the recovery efficiency of
immiscible gas injection EOR and we have evidence that capillary pressure influences the
effectiveness of CO, immiscible flood substantially for pressures well below MMP. An immiscible
gas injection results in higher recoveries if the effect of capillary pressure is included in flash
calculation. Note that although the MMP, which is based on oil phase pressure, does not change
significantly under capillary pressure effect, the injection pressure, should be higher than the gas
phase pressure in the matrix so that the required pressure gradient is provided for the gas to flow to

formation.

6. Highlights
The key highlights of this research are:

- Gas-oil capillary pressure in nanopores affects multi-contact MMP of the original oil
mixture with 3 components and more.

- Gas-oil capillary pressure does not affect the CO, MMP of a binary mixture as the only
MMP is first contact.

- The effect of capillary pressure is larger if the MMP is below the original bubble-point
pressure of the original oil.

- The change in MMP due to gas-oil capillary pressure does not go beyond couple of
hundreds psi for the cases we examined and the reason for that is interfacial tension and
subsequently capillary pressure gets smaller as the mixture gets closer to the critical region
upon achieving miscibility.

- Considering the effect of gas-oil capillary pressure is important for designing immiscible
gas floods.

- The results from slim tube simulation shows that capillary pressure inclusion in flash

calculation slows the CO; front and enhances recoveries.
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7. Nomenclature

C = overall volumetric composition
F = overall molar flux

f = fugacity (in equation 3)

f = fractional flow (in equation 7)
k = permeability

L = length of slim tube

P = pressure

Qinj = cumulative gas injection

r = pore radius

S = saturation

tp= dimensionless time

T = temperature

N.= number of components

N,,= number of components

xp = dimensionless distance

x = liquid phase molar composition
y = gas phase molar composition

z = overall molar composition

X = parachor

p = density

o = interfacial tension

L= viscosity

A= mobility
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Superscripts
L = liquid phase

V = vapor phase

Subscripts
i= component identification
J = phase identification
n = number of carbon atoms
0 = oil
g=gas
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1. Abstract

In this paper, we investigate the effect of pore size heterogeneity on multicomponent multiphase
hydrocarbon fluid composition distribution and its subsequent influence on mass transfer through
shale nano-pores. Also, the change of multi-contact minimum miscibility pressure (MMP) in such
environment was investigated. We use a compositional simulation model with modified flash
calculation, which considers the effect of large gas-oil capillary pressure on phase behavior. We
consider different average pore sizes for different segments of the computational domain and
investigate the effect of the resulting heterogeneity on phase and composition distributions, and
production. A two dimensional formulation is considered here for the application of matrix-fracture
cross mass transfer. Note that the rock matrix can also consist of different regions with different
average pore sizes. Both convection and molecular diffusion terms are included in the mass balance
equations, while different reservoir fluids such as Bakken and Marcellus are considered. The
simulation results show that since oil and gas phase compositions depend on the pore size, there is
a concentration gradient between the two adjacent pores with different sizes. Considering that shale
permeability is small, we expect the mass transfer between two sections of the reservoir/core with
two distinct average pore sizes to be diffusion-dominated. This observation implies that there can

be a selective matrix-fracture component mass transfer during both primary production and gas
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injection EOR as a result of confinement-dependent phase behavior, which also changes the value
of MMP. Therefore, molecular diffusion term should be always included in the mass transfer

equations, for both primary and gas injection EOR simulation of heterogeneous shale reservoirs.

2. Introduction

Benefited from the efficiency of hydraulic fracturing and horizon drilling, production of
unconventional oil and gas has grown rapidly in the past decades, making a great contribution to
hydrocarbon production in North America (Boyer 2007; King 2010). Although EOR methods
increased production from unconventional resources and fulfilled the strong oil and gas demand in
the USA, and worldwide, there are still unknowns in complex flow and phase behavior in tight oil
reservoirs.

The tight rocks pore size is in nano-scale, typically 50 nm or even smaller (Kuila and Prasad, 2011).
Due to the nano-scale radius of curvature of gas/liquid interface, gas-oil capillary pressure can be
several hundreds of psi large. The comparable capillary pressure will change properties of
hydrocarbon mixtures, such as phase compositions, density and viscosity (Shapiro et al., 2000,
Nojabaei et al., 2013 and Sugata et al., 2015). Brusilovsky (1992) studied the effect of capillary
pressure on phase behavior by counting the capillary pressure difference in the phase fugacity
equations. The results showed that for hydrocarbon mixtures, the bubble-point pressure decreased
and dew-point pressure increased at smaller pore size. Even though he mentioned that such
curvatures were unlikely to exist in hydrocarbon reservoirs, with extensive studies of tight oil
resources of recent years, such phenomenon is not rarely seen any more in the confined space.
Nojabaei et al. (2013) further investigated the effect of high capillary pressure on the entire PT
phase envelop for binary mixtures and the Bakken fluid. They discovered that, far from the critical
point, the shape of phase envelop will change. Including the large oil-gas capillary pressure, the

bubble-point pressure decrease and dew-point pressure either decreases or increases depending on
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the pressure. Furthermore, they found the two phase oil and gas density and viscosity would be
altered considering capillary pressure in flash calculation and this change is related to the change
in phase compositions. Based on previous studies, the phase behavior of hydrocarbon fluid mixture
will be deviated from the original pattern in confined space due to the shift of critical properties
(Zarragoicoechea et al., 2004, Singh et al., 2009). Studies revealed that the nano-confined physical
space could alter the critical pressure and temperatures as well as the phase envelope. Teklu et al.
(2014) showed that including critical properties shift could significantly change the bubble-point
and dew-point pressures of mixtures. However, it is still an open question whether the critical point
should change in confined space, such as shale matrix. Furthermore, van der Waals force also
affects phase behaviors but the contribution of van der Waals forces is smaller compared to
capillary pressure (Ma et al., 2013).

In conventional reservoirs, the transportation of hydrocarbon mixture in porous media is governed
by Darcy’s flow. However, in ultra-tight low permeability shales, the pressure gradient and
gravitational drainage are inefficient (Chordia et al., 2010, Moortgat and Firoozabadi, 2013). In
such environments, molecular diffusion will play an important role in oil recovery and influence
mass transportation. Numerous computational and experimental research studies have been done
to study the effect of diffusion on oil and gas recovery in fractured shale reservoirs. Ghorayeb and
Firoozabadi (2000) studied the fracture parameters on the fluid compositional distribution. The
simulation results revealed that convection took place in high permeability fractures and the
composition gradient was higher for fractures with larger width. Darvish et al. (2006) simulated
CO; injection in a fractured reservoir and concluded that the main recovery mechanism was
diffusion and the contribution of gravity drainage was very small. They also pointed out that the
cross phase diffusion was important. Similarly, Hoteit and Firoozabadi (2009) also stated that cross
phase diffusion should be considered and based on the theory of crossflow equilibrium, they
proposed a method by assuming that gas and liquid phases were in equilibrium at the interface.
Moortgat and Firoozabadi (2013) indicated the existence of numerical issue of classical Fick’s
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model due to the exclusive definition of compositional gradient within each phase and they had
numerical errors when two neighboring grid cells contain single phase fluids. This problem often
occurs with sharp-phase boundaries such as in CO, saturated fractures. They proposed an
alternative model to evade this problem by replacing compositional gradient with chemical
potential gradient as the driving force. Moreover, Cronin et al. (2019) pointed out that traditional
concept of multi-contact minimum miscibility pressure (MCMMP) is based on the advection
dominated transport within matrix but not diffusion dominated flow and the value of MMP will be
affected by high capillary pressure in nano-size confinement in shale (Zhang et al. 2016, Wang et
al. 2016, Zhang et al. 2018).

The effect of nanopore confinement on phase behavior commonly occurs in nano-size pore throat
of shale matrix and will alter the composition of oil and gas compared to the bulk region. For shale
reservoir with nano-pore radius, compositional gradients will form within the heterogeneous pore
sizes domain or during gas injection as EOR operation, such as CO; injection (Du and Nojabaei,
2019). In this paper, we investigate the effect of pore size heterogeneity on composition distribution
of multicomponent hydrocarbon fluids and its influence on fluid properties, such as density and
viscosity. The influence of diffusion on CO; minimum miscibility pressure (MMP) within
heterogeneous pore size reservoir will also be discussed. We used an open source and multifunction
reservoir simulator (Matlab Reservoir Simulation Toolbox, MRST, 2018b) and modified the
compositional model of this simulator by including the effect of large gas-oil capillary pressure on
phase behavior in flash calculation and adding the diffusion term in the mass balance equations.
Meanwhile, a core-scale heterogeneous model (using different average pore sizes for different
segments of the computational domain) was considered and its influence on phase and composition
distributions and production was investigated. Two dimensional formulation is considered here to
model matrix-fracture cross mass transfer while both convection and molecular diffusion terms are
included in the mass balance equations. Slim-tube simulation is applied to calculate the value of
MMP with heterogeneous pore size set up. The diffusion behaviors of three types of reservoir fluids,
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including a ternary mixture, Bakken and Marcellus condensate in heterogeneous reservoirs are

examined.

3. Model and Methodology

The effect of heterogeneous pore-size reservoir on fluid transportation and composition distribution
was investigated by using a 2-D compositional simulation model, which considers the effect of
large gas-oil capillary pressure in flash calculation and diffusion in the mass transport model. Here
we explain about our flash calculation model, the diffusion term inclusion, and the design of pore

size heterogeneity in our calculations.

3.1. Flash calculation with large gas-oil capillary pressure

In the study by Nojabaei et al. (2016), oil pressure is the reference pressure and large gas-oil
capillary pressure is added to the oil pressure to calculate the gas phase pressure. Considering that
there are uncertainties about the choice of the reference pressure, we modified the phase pressures
calculations to allow for a reference pressure that can be either equal to the oil (liquid) pressure,
equal to the gas (vapor) pressure, or in between vapor (PY) and liquid pressure (P"), as shown in

the following equations:

PY =P, +ref xp, (2.1)
P- =P, —(1—ref)xp, (2.2)
2
p, =2 (2.3)
"
fiV (T, PV, Vi Yae) = fiL(T’ PL7X1"'XNC)’i =1-N, (2.4)

where P, is the capillary pressure, ref is the adjusting parameter for the reference pressure which

is between zero and one, and o is the oil-gas interfacial tension (IFT). The interfacial tension is

calculated with the Macleod and Sugden correlation (Pederson, 2007):
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where X, is parachor of componenti, X; is molar fraction of component i in liquid phase, Y, is

molar fraction of component | in vapor phase, ﬁL is mass density of liquid phase, ,5\’ iS mass

density of vapor phase.

3.2. Molecular diffusion model

For a multicomponent fluid system, the mass conservation for each component is shown as follows
g i i G i i
E(¢anpasa)+v'(zcapava+Ja)=zcapaqa (26)

where V_ is the overall velocity of phase a, 0, is the source term and j{'z is the Fickian diffusion

flow of phase a. In hydrocarbon mixtures, each phase contains multiple components and due to
Brownian motion, these components redistribute, due to the concentration or mass fraction gradient.

In this study, the classic Fickian diffusion model is used to describe the diffusion behavior:

J! =—p S, D vc 2.7)

i
where CL is the mass fraction of component iin phase @, p, is mass density of phase & , S, is

saturation of phase @ , D; is the diffusion coefficient of component iin phase @ . To calculate

diffusion coefficients of components in oil and gas phases, Sigmund correlation (1976) as a

commonly used method is applied:
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¥ c (2.8)
i#j Dij

where Di,- is the binary diffusion coefficient between component iand j , which is calculated by

0O

0,D;
D, = ‘;—” (0.99589 +0.0960160,, —0.2203502, +0.0328740°, ) (2.9)

U]
a

where 8, and 0, are molar density and reduced molar density of phase @ ; 0° ij’ is the zero

measure limit of the product and diffusivity in phase @ . These factors can be calculated through

these functions:

1/2
0.0018583T¥?( 1 1
D) == | (2.10)
iR M, M,
_”c Ci V;/?;
Oy =0, —z'n‘l - (2.11)
C CI V2/3
j=1 “a'ci

where M, is the molar weight of componenti ; o;; is the collision diameter; Qij is the collision

integral of the Lennard-Jones potential, and V,; is the critical volume of component 1 . 0; and Q;

are calculated by the following equations:

oy =— > j (2.12)
T 13
o, =(2.3551-0.087w) [P—J (2.13)
& =kg(0.7915+0.1963w, )T (2.14)
_1.06036 0.193 1.03587 1.7674

I 7O oxp(0.47635T,)  exp(L52996T,)  exp(3.89411T,) 1)
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where @, is acentric factor of component i, P, and T are critical pressure and temperature of

component i, &;is the characteristic Lennard-Jones energy (ergs), and Kg is the Boltzmann’s

constant.

3.3. Heterogeneous pore-size domain set up

In order to investigate the effect of heterogeneous pore size distribution on fluid properties in
fractured reservoirs, we set up a 2D simulation domain with 10m length ( Y ), and 3mm width (X)

as shown in Figure.17 below.

Matrix 10 m
JJ | I?a mm
X
Fracture

Figure 17. 2D Simulation domain setup, length of 10m and width of 3mm with pore size varying along the x
direction

The pore size (1) changes along X direction, which starts from 10000nm (bulk region) to 10nm

(nano-pore region) and the pore size changes with X based on the following function.

roc (2.16)

sin(x)
The distribution of pore size and initial capillary pressure along the x direction for different fluids

is shown in Figure.18.
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Figure 18. Pore Size and Capillary Pressure Distribution for 2-D Core-Scale Simulation Domain

3.4. Slim Tube Simulation
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Multiple miscible pressure (MMP) is a key design parameter for gas injection. We used slim tube

simulations to investigate the influence of molecular diffusion and heterogeneous pore size on

MMP. Slim tube experiments are the most common used method to estimate multi-contact MMP.

In this experiment, injection gas displaces oil in a slim tube and oil recovery factors are recorded

after 1.2 pore volume of gas is injected. The oil recovery curve is plotted against pressure and the

bend of this curve indicates MMP. Slim tube simulation is a numerical method to simulate the slim-

tube experiment and we implemented this simulation with MRST. Here we implement

heterogeneous pore size reservoir in simulation and the pore size distribution is shown in Figure

19.
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Figure 19. Pore Size and Capillary Pressure Distribution for Slim Tube Simulation
4. Results

Nanopores alter the phase behavior of multiphase multicomponent hydrocarbon mixtures, owing
to the large gas-oil capillary pressure. For heterogeneous porous media, phase compositions are
different in pores with different sizes, which would lead to a composition gradient. As shown in
Figure 20, for a case without any source or sink term, e.g. a production or injection pressure
different from the reservoir pressure, capillary pressure term in the mass balance equations provides
pressure gradient for Darcy’s flow and diffusion is driven by compositional gradient which is the
result of the effect of inclusion of capillary pressure on phase equilibrium calculations. In this
section, we first investigate the effect of molecular diffusion on the phase composition changes
within a 2-D fracture-matrix setup for three different types of fluids, i.e., a simple ternary mixture,
Bakken shale oil, and Marcellus shale condensate. Then, we use the ternary mixture to examine the

effect of capillary pressure on viscous flow and discuss the effect of using different reference

41

Ccapillary Pressure/psi



pressures. In the last section, we combine both molecular diffusion and capillary pressure in flow

and examine this combined effect on compositional profile and fluid properties.

Pc effect on
phase
Heterogeneous Capillary equilibrium Compositional
nano-scale pore ::> pressure [::> gradient
size distnbution gradient
[ Darcy’ s flow ] | Molecular Diffusion ]

Figure 20. Effect of Heterogeneous nano-scale pore size distribution on fluid flow mechanisms

4.1. Effect of diffusion on mass transfer

To study the effect of heterogeneous pore size on molecular diffusion and its subsequent influence,
we start with a ternary mixture with overall composition of 45% Ci, 35% Cs, and 20% Cio. The
original mixture is in two phases at the given temperature of 160 F and pressure of 1200 psia. Note
that there is no pressure gradient introduced to the system. The size and properties of the 2D
fracture-matrix domain is shown in Table 3. Here we set large pore sizes for the fracture and very
small pores for the matrix, and we use only one value for permeability to exclude the other effects
that might be connected to heterogeneous permeability. As shown in Figure 18, the pore size
changes along the x direction. The fluid properties and binary interaction parameters are given in
Tables 4 and 5. In the simulation model, ref =1is used to calculate phase pressure and liquid
pressure is the reference pressure here. The initial phase composition is altered due to the effect of

capillary pressure, as shown in Figure 21.
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Table 3. Properties of the fracture-matrix 2D setup

Cell numbers 40010
size of the system/m 0.003x10
Initial pressure/ psia 1200

Pore size/nm

As shown in Figure 18

Porosity

0.06

Permeability /nd

0.1

Table 4. Compositional data for the C1/C4/C10 system

Molecular
Critical Critical
Acentric Weight
Component  Pressure Temperature Parachor
Factor (Ibm/1b
(psia) (R)
mol)
C: 667.2 343.08 0.008 16.043 74.8
Cs 551.1 765.36 0.193 58.124 189.6
Co 353.76 1070.831 0.5764 134 372.86

Table 5. Binary interaction parameters for the C1/C4/C10 system

C: Cs Cuo
Ci 0 0.119 0.008
Cs4 0.119 0 0.0847
Cwo | 0.008 0.0847 0
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Figure 21. Initial oil and gas phase compositions with and without capillary pressure, ternary mixture
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It should be noted that here capillary pressure in flow is excluded and as a result, Darcy flow does
not contribute to fluid transport because the pressure gradient is zero. Mass transfer is only driven
by molecular diffusion caused by capillary pressure inclusion in phase behavior. Owing to the large
capillary pressure in flash, the composition of each component varies at different pore radius and
is changing with diffusion over time, as plotted in Figure 22. The red horizontal line represents the
initial overall composition. As time goes by, the concentration of light component decreases in
matrix but increases in the fracture domain and the concentration difference between the matrix
and bulk region is about 6%. Intermediate components (C4 and C10) moves from the fracture domain

to tight matrix and the concentration difference is about 5% and 1.5%, respectively.
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Figure 23. Oil and gas density/viscosity profile at different positions and different diffusion times, Ternary
Mixture

The large oil-gas capillary pressure could not only influence the composition distribution but also
alter the phase properties, such as density and viscosity. In Figure 22, the initial viscosities and
densities of oil and gas vary at different location with different pore sizes. Driven by molecular
diffusion, the densities of oil in fracture and gas in matrix increase while the densities of oil in
matrix and gas in fracture decrease and viscosities have a similar trend. Our results show that as
time passes by, the difference between oil fluid properties changes up to 50% while the difference
between gas fluid properties changes around 20%.

Next, we extend our investigations to real reservoir fluids, i.e., Bakken shale oil (Nojabaei et al.,

2013) and Marcellus shale condensate (Elamin, 2013) while using the same simulation setup. The
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reservoir temperatures of Bakken shale oil and Marcellus shale condensate are at 240 F and 150 F,

respectively.
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Figure 24. Overall composition of C1 (left), C4 (middle), C7-C12 (right) at different times, Bakken shale oil
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Figure 27. Oil and gas density/viscosity profile at different times, Marcellus shale condensate

The composition distribution and oil/gas viscosity and density of Bakken shale oil and Marcellus

shale condensate are plotted in Figures 24-27. The results of overall composition profiles are similar
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to the ones for the ternary mixture. As shown in Figure 24 and Figure 26, for both shale fluids, the
composition of the light component (C:) increases in fracture and decreases in the matrix, while
the intermediate components, i.e. C4, C7-C12 (Bakken oil), and C4, C; (Marcellus condensate),
transfer from the fracture to matrix. The change of fluid properties for Bakken fluid is also similar
to the ternary mixture. As shown in Figure 25, the densities and viscosities of oil in fracture and
gas in matrix increase while the densities and viscosities of oil in matrix and gas in fracture decrease.
However, for Marcellus shale condensate, the fluid proprieties are barely changed (Figure 27). This
is because the methane composition is dominated (80%) over other components and the change of
methane in composition (around 3%) has little effect on the fluid properties.

In summary, due to the effect of heterogeneous pore-size distribution, molecular diffusion and mass
transfer occur at the fracture-matrix interface. In general, light components move from matrix
region to fracture, while intermediate components migrate in the opposite direction, i.e., from
fracture to matrix. We should note that the component redistribution happens for all fluids cases
and the trends are similar, but the change of fluid properties varies with fluid composition. For
Bakken fluid, its density and viscosity change by 3% and 5%, respectively, but for gas condensate

fluid, the density and viscosity barely change with time.

4.2. Inclusion of capillary pressure in flow.

Driven by compositional gradient only, fluid overall compositions and mass changed over time
because of molecular diffusion. However, capillary pressure itself acts as a driving force and
influence the composition distribution. In this section, we study the effect of capillary pressure
inclusion in flow on mass transfer for the ternary mixture using the same 2D simulation setup. We
examine different choices of the reference pressure (ref =1, ref =0.5 andref =0) to analyze the
effect on composition redistribution. Figure 28 shows the results of composition profiles with

different reference pressure choices after 100 days. It is observed that the light component moves
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toward the bulk (fracture) region and the intermediate component moves from the fracture to matrix
and this trend is the same as the previous results when diffusion is considered only. The selection
of different reference pressures barely change the composition distribution. Basically, as reference
pressure equals to liquid (vapor) pressure, i.e. ref =1 (ref =0), the composition difference between
both sides will reach a maximum (minimum) value and the difference between the maximum and

the minimum value is around 1%.
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Figure 28. Overall composition of C1 (left), C4 (middle), C10 (right) with different reference pressures, Ternary
Mixture, w Pc in flow/wo diffusion

Next, the oil and gas properties for different reference pressure choices are calculated. As shown
in Figure 29, for any reference pressure choice, the difference between the fluid properties at the
two ends (matrix and fracture) decreases with time, and this observation is the opposite of what we
observed due to diffusion only. In addition, different reference pressure choices yield density and

viscosity distribution.
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4.3. Diffusion and capillary pressure in flow combination effect

Finally, both molecular diffusion and capillary pressure in flow are incorporated in our simulation
model. The ternary mixture fluid is used and the liquid pressure is selected as the reference pressure,
i.e. ref=1. The results and the comparison with previous cases are shown in Figures 30 and 31. As
shown in Figure 30, for the model with consideration of only diffusion or capillary pressure (Pc)
in flow, light component accumulates in the bulk (fracture) region and the concentration of the
intermediate component increases in the matrix nanopores. When both driving forces are
considered, the trend of composition redistribution is amplified compared to either of the single

effects. The fluid properties difference at the two boundaries increase in diffusion model but
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decrease in the model with capillary pressure in flow only. When both molecular diffusion and

capillary pressure in flow are considered, the two effects (yellow and green lines) would cancel

each other out and the final fluid properties (blue lines) are close to the initial case (red lines).
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36.5

Oil Dnesity/ 1b/ft"3
5
h

345

Oil Viscosity/ cp

7%
(=)

| ¥¥]
Lh

——Initial
w Pc in flow w/o diffusior

——w/0 Pc in flow w diffusion

w Pc in flow w diffusion

0 1 X/mm 2

0.23

0.21

o
—
\o

——Initial

w Pc in flow w/o diffusion
w/o Pc in flow w diffusion
w Pc in flow w diffusion

=
—
2

0.15

0 1 2

X/mm

52

4.8

Gas Density/ 1b/ft"3

——Initial

w Pc in flow w/o diffusion
w/o Pc in flow w diffusion
w Pc in flow w diffusion

4.4

0.0146

0.0144

0.0142

Gas Viscosity/ cp

0.014

1 xmm 2 3

——1Initial
w Pc in flow w/o diffusion
w/o Pc in flow w diffusion
w Pc in flow w diffusi

1 %/mm 2 3

Figure 31. Oil and gas density/viscosity profile, w Pc in flow/wo diffusion vs. wo Pc in flow/w diffusion vs. w Pc
in flow/w diffusion, 100 days, Ternary Mixture

51



4.4. Slim tube simulations

We used slim tube simulations (1-D fully compositional model) to investigate the influence of
molecular diffusion and heterogeneous pore size on MMP for Bakken fluid. We set up three groups
of simulations with different permeabilities, i.e. 10ud, 1ud, 100nd, the other information of slim
tube simulation set up are shown in Table 6. For each group, we test different models (with and
without diffusion) and different pore size distributions, i.e. homogenous 10um, heterogeneous pore
size (Figure 19). Note that the effect of capillary pressure is considered both in flow mechanism

and flash calculation.

Table 6. Properties of slim tube simulation setup

Cell numbers 501

Size of the system/m | 501

Initial pressure/ psia | 1300/1500/2000/2500/3000/3500 psi

Pore size/nm 10pm/heterogeneous (Fig.3)
Porosity 0.06

Permeability 10pd/1pd/100nd

Wells position

Left end/Right end (x=0m/x=50m)
(Injection/production)

Figure 32, 33 and 34 respectively shows the recovery curves of Cs-Cg of slim tube simulation with
10pd, 1pd and 100nd permeability. As shown in these figures, all the Cs-Cs curves without
diffusion approximately bend at the same point of pressure, 2600psi, even though pore size
distributions are different. For pressures below the bending pressure, the Cs-Cs recovery of
heterogeneous pore size reservoir is lower (about 15%) than the case with homogenous 10nm pore
size but higher (about 2%) than the case with homogenous 10pm pore size. For the cases with
diffusion, it can be seen that the bend in the recovery curve is happening at higher pressure as

52



permeability is decreasing. If we extrapolate this bending pressure to permeability close to zero,

we will get to the same pressure as the first contact minimum miscibility pressure (FCMMP) of

CO2 and Bakken oil, which is 4940 psia from swelling test as shown in Figure 36. These results

are consistent with the conclusion of Cronin et al. (2019) stating that for diffusion-dominated

systems, only FCMMP is important and MCMMP is not applicable in gas flooding of ultratight

reservoirs. Similarly, for pressures lower than MMP, the recovery of heterogeneous pore size

reservoir is lower than homogenous 10nm pore size reservoir but higher than homogenous 10pm

pore size reservoir. However, for any pressure, the recovery of the case with diffusion is lower than

the case without diffusion. Furthermore, for the cases with the same pore size set up, the recovery

difference between with and without diffusion increases with decreasing of reservoir permeability.

The average difference for each case is, 12% (10jd), 20% (1jd) and 30% (100nd)

Recovery
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Figure 32. C5-Cs Composition recovery as function of pressure with and without diffusion for slim tube

simulation, Bakken, 10pd
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5. Discussion and Conclusion

The results showed that the heterogeneous pore size distribution in reservoir, such as natural
fractures in the matrix, influences the distribution of fluid composition. The light components
accumulate in the bulk region (or fracture) and the heavier components accumulate in the nano-

pore region (shale matrix). Meanwhile, the fluid properties also vary in these regions. Molecular
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diffusion and the pressure gradient capillary pressure gradient driven convection are the two
important mechanisms for fluid transport.

Diffusion cannot exist without phase composition gradient and it only occurs for oil-gas two
phase systems. Note that diffusion tends to decrease this phase composition gradient over time until
an equilibrium is reached. In our study, heterogeneous capillary pressure enlarges concentration
gradient due to its effect on phase equilibrium. If capillary pressure is not included in phase
equilibrium calculations, there would not be any composition gradients for the two phase
multicomponent mixture. Initially the fraction of light component (i.e. methane) in gas phase in the
bulk region is smaller than in that in nanopores, and the composition of the intermediate component
in oil phase (i.e. butane) is larger in bulk region compared to that in the nanopores. As shown in
Figure 37 (a) and (b), diffusion decreased the composition gaps of methane in gas phase and butane
in oil phase between fracture and matrix by transporting methane in gas phase from the matrix to
fracture and butane from fracture to the matrix. In addition, as shown in Figure 38(c), such
component migration within phases enlarges the difference of oil (gas) saturation between bulk and
nano-pore region. As a result, the overall composition redistributes by diffusion and fluid properties

change accordingly.
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Figure 37. (a) Methane composition in gas phase (b) Butane composition in liquid phase (c) Oil saturation
profile, results are without Pc in flow and with diffusion, ternary mixture

Besides the effect of inclusion of capillary pressure in phase equilibrium which causes composition

gradients in heterogeneous porous media, inclusion of capillary pressure in flow also help transfer
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gas from the nanopores to the bulk region. If capillary pressure in flow is considered, as shown in
Figures 38, for the two models with Pc in flow (yellow and blue line, ref =1), the oil pressure in
fracture is higher than in matrix so that oil flows from fracture to the matrix. Meanwhile, the gas
pressure is higher in nanopores (matrix) so that gas flows into the fracture until an equilibrium is
achieved. Therefore, in a heterogeneous reservoir with pore size distribution, such as the fracture-
matrix system, the intermediate components would likely migrate with oil phase from fracture into

the matrix and light components would transport into the fracture with gas.
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Figure 38. Oil and gas pressure distribution at initial time step (t=0d) and final time step (t=100d) for different
models, ternary mixture, 1200psi

As shown in the previous results of slim tube simulations, as decrease of reservoir permeability,
diffusion significantly reduces the recovery of CO, displacement in slim tube simulation. The
composition profile with dimensionless velocity of Figure 39 points out the reason of such decrease
in recovery. For CO displacement, a higher and ‘piston like’ CO front indicates higher
displacement efficiency and final recovery. As shown in figure 39, as permeability decreases, the
composition value of CO; front decreases. And the compositional gradient of CO; also decreases
with the decrease of permeability, which neutralize the ‘piston-like’ displacement. Because
diffusion tend to dominate Darcy’s flow as permeability decrease to scale of nano-darcy and will
reduce the compositional gradient of CO.. Therefore, for ultra-low permeability reservoir, with
effect of diffusion, the value of MMP increases about 200psi. For lower pressures the recovery of
CO; displacement decreases with reduce of permeability.
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In conclusion, our research suggests that within heterogeneous nano-pore size domain, such as
fracture-shale matrix system, there will be a phase and overall compositions redistribution with
diffusion and capillary pressure accounted for. And the diffusion mass transfer is comparable to
the flow driven by capillary pressure only with ultralow permeability, on the order of nano-darcy.
Otherwise, for higher permeabilities, mass transfer would be convection dominated. Therefore,
diffusion must be considered in the simulation of heterogeneous shale reservoirs. For the mass
redistribution, specifically, the light component tends to move to the fracture and mid-heavy
components tend to accumulate in matrix and the maximum compositional change will be around
10%. Such mass transport mechanisms are valid for different shale fluids and the fluid properties
will also deviate from its original values in both fracture and matrix region and the maximum
difference is about 5%. For CO; injection, as shown from the results of 1D simulations,
heterogeneous pore size reservoir rarely changes the multi-contact MMP (MCMMP) but its value

increases with the decline of permeability and will meet with the value of first-contact MMP
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(FCMMP) as permeability goes to zero, which means flow transport is completely dominated by

diffusion.
6. Highlights

The key highlights of this research are:

- For the first time, we proposed a new drive for mass transfer of two phase oil gas
multicomponent fluids in highly heterogeneous nano-porous media with pore size
distribution.

- Owing to the high gas-oil capillary in nanopores, in heterogeneous porous media with pore
size distribution, phase compositions are altered and different phase compositions are
resulted in pores with different sizes.

- Different phase compositions in neighboring pores (or fracture and matrix) with different
pore sizes result in composition gradients and this phase composition gradient is the driving
force for diffusion.

- There exists selective matrix-fracture component mass transfer during both primary
production and gas injection EOR.

- Such selective matrix-fracture component mass transfer is caused by diffusion while the
inclusion of capillary pressure in flow will also help selective mass transfer.

- Specifically, the light components accumulate in the bulk region (or fracture) and the
heavier components accumulate in the nanopore region (shale matrix). The maximum
compositional change is around 10%.

- This selective component mass transfer is valid for different shale fluids and the fluid
properties also deviate from original values and the maximum difference is about 5%.

- During primary recovery, diffusion is only important for ultra-tight rocks with

permeabilities smaller than 1 nd.

59



- Heterogeneous pore size reservoir rarely changes the multi-contact MMP
- The value of MCMMP increases with permeability decreasing and will get to the value of
FCMMP as mass transport is advection-free and completely diffusion-dominated

(permeability equals to zero).

7. Nomenclature

PV = vapor pressure

P-= liquid pressure

p. = capillary pressure

ref = adjusting parameter for the reference pressure

X; = parachor of component|i

4, = flow of phase a

j; = Fickian diffusion flow of phase o

sz = mass fraction of component i in phase @

P, = mass density of phase &

S, = saturation of phase @

Dfl = diffusion coefficient of component i in phase @
D; = binary diffusion coefficient between component iand ]
0, = molar density of phase ¢

0, = reduced molar density of phase @

M; = molar weight of componenti

o;; = collision diameter
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Qij = collision integral of the Lennard-Jones potential
V,; = critical volume of component |

o, = acentric factor of component |

P = critical pressure of component i

T,; = critical temperature of component i

&, = characteristic Lennard-Jones energy (ergs)

Ky = Boltzmann’s constant
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Chapter 3 Conclusion and Highlights

Due to nanoscale pore radius of tight rocks and shales, capillary pressure is large enough to
substantially influence the phase behavior and flow mechanisms of hydrocarbon fluid in shale
reservoirs. Therefore, this work investigates the influence of high capillary pressure on CO,
miscibility pressure and recovery mechanisms in heterogeneous pore size reservoir.

Our results show that capillary pressure influences MMP, however the magnitude of this change
depends on the composition of the original oil, number of phases of the original oil at the MMP,
and miscibility mechanisms. We confirm that the first-contact MMP is not influenced by capillary
pressure as at the critical point, capillary pressure is zero. Our results suggest that the change in
MMP is often negligible for practical use and often falls with 5% of the estimated MMP. One
reason for this small change is that as the pressure gets close to MMP, two phases become similar
(K-values approach unity), therefore IFT drops, and as a result, calculated capillary pressure at the
equilibrium drops to a value that does not make large impact.

We also examined the effect of large gas-oil capillary pressures on the recovery efficiency of
immiscible gas injection EOR and we have evidence that capillary pressure influences the
effectiveness of CO, immiscible flood substantially for pressures well below MMP. An immiscible
gas injection results in higher recoveries if the effect of capillary pressure is included in flash
calculation. Note that although the MMP, which is based on oil phase pressure, does not change
significantly under capillary pressure effect, the injection pressure, should be higher than the gas
phase pressure in the matrix so that the required pressure gradient is provided for the gas to flow to
formation.

The heterogeneous pore size distribution in reservoirs, such as natural fractures in the matrix,
influences the distribution of fluid composition. The light components accumulate in the bulk
region (or fracture) and the heavier components accumulate in the nano-pore region (shale matrix).

Meanwhile, the fluid properties also vary in these regions. Molecular diffusion and the capillary
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pressure gradient-driven convection/advection are the two important mechanisms for fluid
transport.

We should note that within heterogeneous nano-pore size domain, such as fracture-shale matrix
system, there will be a phase and overall compositions redistribution with diffusion and capillary
pressure accounted for. And the diffusion mass transfer is comparable to the flow driven by
capillary pressure only with ultralow permeability, on the order of nano-darcy. Otherwise, for
higher permeabilities, mass transfer would be convection dominated. For the mass redistribution,
specifically, the light component tends to move to the fracture and mid-heavy components tend to
accumulate in matrix and the maximum compositional change will be around 10%. Such mass
transport mechanisms are valid for different shale fluids and the fluid properties will also deviate
from the original values in both fracture and matrix region and the maximum difference is about
5%. For CO- injection, as shown from the results of slim-tube simulations, heterogeneous pore size
reservoir rarely changes the multi-contact MMP (MCMMP), however, if diffusion is included in
the mass balance equation, The bend in the recovery curves occurs at higher pressures as
permeability is decreases. For zero permeability, this pressure will be the same as the first contact
MMP, which means mass transport is completely convection free and diffusion would be the only
mass transfer mechanism.

The highlights of this thesis are listed as follow:

- Gas-oil capillary pressure in nanopores affects multi-contact MMP of the original oil
mixture with 3 components and more, however, this effect is not significant in the cases
we examined.

- Gas-oil capillary pressure does not affect the CO, MMP of a binary mixture as the only
MMP is first contact.

- The effect of capillary pressure is larger if the MMP is below the original bubble-point

pressure of the original oil.
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The change in MMP due to gas-oil capillary pressure does not go beyond couple of
hundreds psi for the cases we examined and the reason for that is interfacial tension and
subsequently capillary pressure gets smaller as the mixture gets closer to the critical region
upon achieving miscibility.

Considering the effect of gas-oil capillary pressure is important for designing immiscible
gas floods.

The results from slim tube simulation shows that capillary pressure inclusion in flash

calculation slows the CO; front and enhances recoveries.

For the first time, we proposed a new drive for mass transfer of two phase oil gas
multicomponent fluids in highly heterogeneous nano-porous media with pore size
distribution.

Owing to the high gas-oil capillary in nanopores, in heterogeneous porous media with pore
size distribution, phase compositions are altered and different phase compositions are
resulted in pores with different sizes.

Different phase compositions in neighboring pores (or fracture and matrix) with different
pore sizes result in composition gradients and this phase composition gradient is the driving
force for diffusion.

There exists selective matrix-fracture component mass transfer during both primary
production and gas injection EOR.

Such selective matrix-fracture component mass transfer is caused by diffusion while the
inclusion of capillary pressure in flow will also help selective mass transfer.

Specifically, the light components accumulate in the bulk region (or fracture) and the
heavier components accumulate in the nanopore region (shale matrix). The maximum

compositional change is around 10%.
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This selective component mass transfer is valid for different shale fluids and the fluid
properties also deviate from original values and the maximum difference is about 5%.
During primary recovery, diffusion is only important for ultra-tight rocks with
permeabilities smaller than 1 nd.

Heterogeneous pore size reservoir rarely changes the multi-contact MMP

Only first contact MMP is important for the diffusion-dominated systems, as above the

FCMMP, recovery does not increase by increasing pressure.
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